Economic. 
Optimization of is 





the System 


Learning Objectives 


After completing this reading, you should be able to 


Describe a supply stack and explain the typical role of each type of electrical generator in the 
supply stack 

Determine the marginal generator and the amount of electricity produced by each generator in 
a supply stack under the following conditions: Each generator has a constant marginal cost; The 
marginal cost of each generator increases with the quantity of power produce; Losses, 
transmission constraints, and dispatch constraints exist; Define and calculate the system lambda 
for a supply stack 

Summarize the process of unit commitment, and explain the impact of different types of 
dispatch constraints on the unit commitment process 

Describe resource adequacy and planning reserve margins, and relate these concepts to the 
decision to invest in new generating capacity 

Define, interpret, and calculate the levelized cost of electricity 

Apply the levelized cost of electricity, the load duration curve, and the value of lost load in 
deciding which types of incremental generating capacity to build in an existing power grid 


Excerpt is Chapter 5 of Introduction to Electricity Markets, by John Parsons. 
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Chapter 5 


Economic Optimization of the System 


5.1 Introduction 


This chapter discusses the main economic principles underlying the three major decisions about generation 
on an electric system: 


e capacity investment, 
e unit commitment, and 


e generator dispatch. 


The capacity investment decision asks how much generation capacity do we want to build, and which type? 
Should we install more wind generation? Do we need more peaking capacity? 

The unit commitment decision takes capacity as given—we have a certain number of nuclear plants, solar 
farms, coal-fired generators, and so on. The need for this capacity varies throughout the seasons of the year, 
the days of the week and the hours of the day. When generating units are not needed, it may be cheaper 
to turn them off. Also, as all units need occasional maintenance, so we need to find some time to have 
them turned off. However, once a unit is off, it may take time to bring it back on. There is uncertainty 
about electricity demand, and we may need to quickly call on a unit to produce power. In order to do so, 
the generator must be up and ready. If we need the power very quickly, we need it to be up and running 
already so that it can ramp up at a moment’s notice. The unit commitment decision asks how much of the 
installed capacity do we need up and available or up and running, and how much can we have sidelined for 
maintenance or available but at longer notice. 

Finally, the generator dispatch decision takes the unit commitment decision as given, and asks which of 
the available units should produce power in this hour or on this day. The three decisions address different 
time horizons. Dispatch decisions are about the next day or the next hour. Unit commitment decisions look 
forward several hours or days, and in some cases several months. Capacity investment decisions look forward 
years, be it just a few years or many. 

The nature of each of these problems is universal: each problem is the same in different countries and 
regions across the globe, regardless of how they have organized their electricity industry. Some rely on 
competitive wholesale markets, others rely on rate-of-return regulated investor owned utilities, while others 
rely on state-owned companies or coops. Many countries have a mix of these different institutions. Regardless 
of the particular institutional structure and legal framework, the three problems facing the institutions are 
the same. And, the economic principles underlying the problems are the same. ‘his chapter will get at 
these common underlying principles without discussing specific institutions. The subsequent chapters will 
then delve into the different institutional structures and different types of market rules employed in various 
countries, and how they each channel these underlying principles into trading and prices. 

This chapter starts with the generator dispatch decision, then discusses unit commitment, and finally the 
capacity investment decision. 
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Figure 5.1: A Sample Generation Supply Stack, for ISO-NE in 2015. 


Data source: Ministry of Energy, Government of Ontario, Proposed Default 
Emission Factors for Ontario’s Cap & Trade Program, 2015. 


5.2 Generator Dispatch 
5.2.1 The Supply Stack 


The simplest model of generation dispatch starts with construction of a supply stack. Figure 5.1 shows an 
example of a stack constructed in 2015 for the ISO-NE market, which covers six states in the northeastern 
U.S. The stack was constructed by the consulting firm Navigant in work done for the Ministry of Energy for 
the nearby Canadian Province of Ontario. The horizontal axis on a supply stack is the quantity of power 
generated, expressed here in MW. The vertical axis is the marginal cost per MWh of electricity, while 
this case is measured in 2012$/MWh.! The marginal cost here is the marginal operating cost, which takes 
longer run factors like capacity investments and unit commitment are taken as given. The stack is a 
like a supply curve. Generation units with the lowest marginal operating cost are the points further left on 
the stack, and those with the highest are the points on the right of the stack. This ranking is also 
known as the merit order. For any given cost level, the stack shows the amount of cumulative generation 
that can be produced from units with marginal operating cost below that level. Or, looked at the other way 
around, for any given amount of generation, the stack shows the marginal operating cost of the last MWh 
of generation needed. 

Table 5.1 shows an excerpt of the calculations made to construct the stack. The full table lists 396 different 
generators, including wind farms, solar farms, hydro generation, nuclear plants, coal-fired generators, and 
various natural gas-fired generators, including natural gas combined-cycle (CC), steam-turbine (ST Gas) and 
combustion turbine (CT Gas), as well as some other units. The table is sorted from the lowest marginal cost 


generator to the highest-marginat cost-generator. The excerpt shown in Table 5.1 includes the generators 


1These are U.S. dollars. The reference to 2012 dollars means that the measure of marginal operating cost is the general price 
level as it was in 2012, without account for inflation to 2015. 
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Table 5.1: Excerpt from a Sample Generation Supply Stack 
for ISO-NE in 2015. 


Marginal Cumulative 

Cost Capacity Capacity 
ID Type ($/MWh) (MW) (MW) 
Unit 145 Wind 8.09 1 5,457 
Unit 146 Nuclear 9.33 1,237 6,694 
Unit 147 Nuclear 9.51 878 Fiore 
Unit 148 Nuclear 9.51 1,245 8,817 
Unit 149 Nuclear 9.53 685 9,502 
Unit 150 cc 29.03 374 9,876 
Unit 151 LA 29.17 250 10,126 
Unit 152 cc 29.38 269 10,395 
Unit 153 CC 29.42 277 10,672 
Unit 154 Cc 30.16 238 10,910 





ranked number 145 through 154, which includes one wind farm, four nuclear plants and five natural gas-fired 
combined-cycle generators. The third column of the table shows each unit’s marginal cost, and you can see 
that the wind farm has the lowest marginal cost among those shown in the table, while the CC units have 
the highest marginal cost among those shown. ‘The fourth column of the table shows the capacity of each 
of these generators. The fifth column shows the cumulative capacity of the stack up to and including that 
unit, i.e., the cumulative capacity of all units with a lower marginal cost plus the capacity of this unit. As 
you can see, for unit 146, which is a nuclear unit, the cumulative capacity equals the cumulative capacity 
of all generators up to and including the wind generator, unit 145, plus the capacity of the nuclear unit: 
6,694=5,457+1,237. The supply stack shown in Figure 5.1 is a graph of the third and fifth columns of this 
Table. In the figure, unit 145 is the grey triangle located at 5,457 MW and with marginal cost equal to 
$8.09. Unit 146, a nuclear unit, is the black triangle located at 6,694 MW and with marginal cost equal to 
$9.33. 

The supply stack is used by intersecting it with a demand curve. In the electricity industry, where much 
or all of demand is price inelastic, the demand curve is sometimes simplified to a vertical line representing 
the forecasted load. Figure 5.1 shows two different lines representing two different load sizes: one line is at 
16,084 MW, which is the average load, and the other is at 28,821 MW, which is a peak load. 


e The average load line intersects the supply stack at a marginal cost of $31.05/MWh. If load on a given 
hour matches this average, then all of the units to the left of that load line should be dispatched: they 
have the lowest marginal cost to provide the needed power. The marginal cost of delivering the last 
MW of power at that load level is $31.05. Generating units to the right of the average load line have 
a marginal cost that is higher than $31.05 and will be idle. 


e The peak load line intersects the supply stack at a marginal cost of $81.49/MWh. If load on a given 
hour matches this peak load, then all of the units to the left of that load line should be dispatched: 
they have the lowest marginal cost to provide the needed power. The marginal cost of delivering the 
last MW of power at that load level is $81.49. Generating units to the right of the peak load line have 
a marginal cost that is higher than $81.49 and will be idle. 


This model of dispatch has a very simple on-off structure. Most generators are either on and producing up 
to their capacity, or they are completely off. At most, one generator is on producing below its capacity. This 
generator is known as the marginal generator. For example, looking at ‘Table 5.1 suppose load is 10,000 
MW. This is greater than the cumulative capacity of units 1-150, and less than the cumulative capacity of 
units 1-151. Therefore units 1-150 will all be on and producing at their maximum capacity, and unit 151 will 
also be on, but only producing 133 MW, which is less than its maximum capacity. Unit 151 is the marginal 
unit. 
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Figure 5.2: Blostershire’s Network 


The term system lambda is used for the marginal operating cost of the last MWh of power generated 
in a given hour.” This is also called the system marginal cost. In the supply stack above, the system 
lambda equals the marginal cost of the marginal generator. If load is 10,000 MW, then the system lambda 
is the marginal cost of unit 151, or $29.17/MWh. If the load in a given hour matches the average load of 
16,084 MW, then the system lambda should equal $31.05. In another hour, when the load matches the peak 
load of 28,821 MW, then the system lambda should equal $81.49. The system lambda fluctuates with load, 
reflecting the lower marginal cost of meeting small, off-peak loads and the higher marginal cost of meeting 
large, peak loads. Since load varies with the time of day, the day of the week, and the season of the year, so 
does system lambda. 

The supply stack in Figure 5.1 was built under the simplifying assumption that every generating unit 
had a constant marginal operating cost. Therefore each generating unit could be ranked by that. It is this 
simplifying assumption that gave us the simple on-off structure. We can extend the model to the more 
complicated case in which some of the generating units have a marginal operating cost that increases with 
output. When we do, constructing the supply stack is a little more complicated. 


Increasing Marginal Operating Cost 


Figure 5.2 shows the fictional Blostershire system. Each of its two generators has an increasing marginal 


cost given by the equations: 
MOC, =0a44+ Ba: Qa (b.4) 


MOCp=apt+ be:QpB | (5.2) 


where Qa and Qg represent the quantity of electricity generated at unit A and B, respectively, and aa, Ba, 
Qp, and {pg are coefficients. Table 5.2 shows the values for the coefficients, along with the capacity of each 
unit. 


Table 5.2: Input Parameters for Blostershire’s Two Generators 





GenA Gen B 
Marginal Operating Cost (£/MWh) 
fixed coefficient, a 5 5 
variable coefficient, B 0.01 0.03 
Capacity (MW) 500 500 


2Tn actual practice, the system lambda is often calculated as a variable cost. However, in certain circumstances the variable 
cost is often approximately equal to the marginal operating cost, so this implementation is approximately the same thing. 
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Figure 5.3: Marginal Operating Cost Curves for Blostershire’s Two Generators 
and the Unconstrained System Marginal Cost 


Figure 5.3 graphs the increasing marginal cost at each unit as a function of its generation. ‘The marginal 
operating cost for both units starts out at £5/MWh. As the level of generation increases, the marginal cost 
of unit A grows much more slowly than the marginal cost of generation unit B. 

Because of this cost structure, for any given level of total system generation, Or = Q4+ Qz, it will 
make sense for generation unit A to produce more than unit B. The lowest cost dispatch sets the marginal 
operating cost of generation at the two units equal to one another: 


MOC (Qa) = MOCB(Qz) (5.3) 


where the asterisks on the variables Qa* and Q,”* signify that these are the optimal quantity of electricity 
generated by unit A and unit B, respectively, given the total amount of generation, Qr. For the parameter 
values in our example, this requires: 


5 + 0.01-Q% = 5 + 0.03-Q% (5.4) 


which means that, 
Q4 = 3-Qh (5.5) 


and therefore Unit A generates 3 times what unit B generates. Equivalently, unit A generates 3/4 of the 
total generation, while unit B generates 1/4. In Figure 5.4, the solid black line shows the lowest cost dispatch 
of the two units, depending upon the total dispatch required. 

Given this optimal dispatch across the two units, we can calculate a system marginal cost for any level 
of total generation needed. This is the third line shown in Figure 5.3. The marginal operating cost for the 
system climbs more slowly than the marginal operating cost of providing the same output from any single 
generator, including the lowest cost generator. This system marginal cost curve is also the supply stack, 
taking into account the increasing marginal cost of each generator. 
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Figure 5.4: Optimal Dispatch in Blostershire’s Two Bus, Two Generator System 


5.2.2 Congestion 


The simple supply stack for a region aggregates all of the available generation capacity and all of the load, 
without regard to where the capacity and load may be located. The implicit assumption is that any generator 
in the system can serve the load anywhere in the system. This ignores transmission constraints. It may 
happen that the cheapest generators are located on one side of the system, and that a large fraction of the 
load is on the other side of the system, and that the capacity of the transmission system between the two 
sides is less than the power to be delivered. In that case, congestion on the transmission system prevents 
us from fully utilizing the cheapest generators, and more expensive generation will have to be dispatched to 
cover the shortfall. This raises the cost of generation. The simple supply stack model gives us the lowest 
cost unconstrained dispatch, but, we must find the lowest cost constrained dispatch. 

Looking back at Figure 5.2, we can see that all of Blostershire’s load is located at bus B. It can be served 
by generator B without needing using the transmission line, but can only be served by generator A insofar 
as the line has sufficient capacity. Suppose for a moment that the transmission line has a maximum capacity 
of 300 MW. We need to revise our calculation of how total generation will be divided between units A and 
B to take into account this transmission constraint. So long as load is below 400 MW, it can be served by 
the optimal combination of generation from the two units since the unconstrained optimal generation from 
unit A is 300 MW or less. However, any load above 400 MW must be served exclusively from unit B. This 
constrained dispatch is shown by the dotted line in Figure 5.4. Figure 5.5 show how we revise our calculation 
of the system marginal cost to take into account this transmission constraint and the resulting constrained 
dispatch. 


5.2.3 Losses 


The other factor we initially ignored in constructing the simple supply stack is losses. In our Blostershire 
system, generator A is at a distance from the load and must deliver the power over the transmission line 
shown. One MW of power generated at bus A and transmitted over the line to bus B will produce less than 
one MW of power delivered to bus B. This is because some of the power flowing on the line will be lost to 
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Figure 5.5: Revising the Supply Stack to Account for Congestion 


the production of heat on the line. Said the other way around, in order to deliver one MW of power to bus 
B from generator A, it will be necessary to generate more than one MW of power at generator A. Therefore, 
the marginal operating cost of one MW delivered to bus B from generator A is more than the marginal 
operating cost of producing one MW at generator A. Determining exactly how large the losses will be on a 
large network is a complicated problem. We do not show you here any formulas for the size of losses, but 
illustrate only conceptually what happens. To keep things as simple as possible, we now assume again that 
the transmission line has plenty of capacity, so that we are looking for the optimal unconstrained dispatch 
taking into account losses. 

Figure 5.6 shows how accounting for losses shifts the marginal cost curve of generator A. The lowest 
marginal operating cost curve takes no account of losses. This is the same marginal operating cost curve 
that appeared in Figure 5.3. This is also the curve used to determine the optimal dispatch functions shown 
in Figure 5.4. It is generator A’s marginal operating cost of producing a MW of power at bus A. The higher 
marginal operating cost curve takes account of losses. It is generator A’s marginal operating cost of delivering 
a MW of power to bus B. The curve starts at the same point, but as delivery from generator A increases, 
it shifts up from the first curve. Losses increase the marginal cost of delivered power from generator A, and 
they increase the marginal cost more at larger levels. | 

Losses change the optimal unconstrained dispatch. Recognizing the cost of losses leads us to rebalance 
the dispatch of generators A and B. We reduce the dispatch of generator A and increase the dispatch of 
generator B as compared against what we would have done when ignoring losses. Figure 5.7 illustrates this 
effect. The figure is constructed assuming that the two generators are dispatched to serve the total load of 
500MW. The horizontal axis shows the load served from generator A increasing from left to right. Since the 
total load served is fixed, as we increase the load served from generator A, we are decreasing the load served 
from generator B. Therefore, the figure has a second horizontal axis showing the load served from generator 
B decreasing from left to right. The vertical axis is Blostershire’s total cost of generation. This is the cost of 
generator A’s output plus the cost of generator B’s output. The figure shows two curved lines. Each curved 
line traces how the total cost varies with the dispatch of generators A and B. The lower of the two curved 
lines is the cost calculated when we ignore losses. The higher one is the cost calculated when we recognize 
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Figure 5.6: How Losses Shift the Marginal Operating Cost of Delivered Power 
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Figure 5.7: How Losses Shift the Optimal Dispatch of Blostershire’s Generators 
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losses. For each of the curved lines there is a mark at the lowest cost point, which is the optimal dispatch 
under that calculation. When we ignore losses, the optimal quantity of load served from generator A is 375 
MW and the load served from generator B is 125. When we recognize losses, the correct optimal quantity 
of load served from generator A is 360 MW and the load served from generator B is 140. Of course, because 
of the losses, generator A needs to produce more than 360 MW in order to serve load of 360 MW. 

The formulas for determining losses on a transmission system are complicated, and we will not go into 
them here. The important point is to recognize that losses are an additional cost when the power must be 
delivered across the transmission system. The generator itself incurs its own cost, but the total system cost 
must include the added cost of losses. Therefore the marginal cost of delivering power to one location from 
a generator in another location equals the marginal cost of generation plus the marginal cost of losses. This 
extra cost needs to be factored into the dispatch decision. Losses are often a small factor, but they need to 
be recognized. 


5.3 Unit Commitment 


‘The discussion of dispatch above ignores some important considerations. For example, it assumes that all 
generators are always available. In fact, generators are sometimes off-line for maintenance and therefore 
unavailable for dispatch. Most of this maintenance is planned, so the generator is choosing when to be 
available and when to be unavailable. That is a unit commitment decision. The obvious choice is to schedule 
the maintenance for sometime when load is low and the capacity is not urgently needed. In a market, 
that would be when the price of electricity is forecasted to be low. In a system with many generators, the 
maintenance will be staggered so that sufficient capacity is always available to meet the required load. 
Scheduling maintenance is a simple version of a unit commitment problem. The more complicated version 
is the daily decision forced by important dispatch constraints on the operation of individual generator 
that we ignored in our earlier discussion of dispatch. We now turn to a discussion of those constraints. 


5.3.1 Dispatch Constraints 


Each type of generation technology has its specific set of constraints. For example, some important con- 
straints on steam turbine power plants are the following: 


e Start-up time — Many thermal generators take some time to warm up. As they heat, the components 
expand. A slow process assures that different components expand togethers; a hurried one can result 
in differential expansion which produces frictions and stress and ultimately damage to the equipment. 
Even if their marginal operating cost is low, unless an earlier decision had been taken to bring them on- 
line, they are not immediately available. The start-up time required varies depending on the equipment, 
as well as upon the state at start-up. Equipment that has cooled down fully from last use will take 
longer to start-up. 


e Start-up cost — The discussion above ranked generators according to their marginal operating costs. 
However, many generators have a fixed cost of starting up, which also needs to be taken into account. 
Even when their marginal operating cost for a single hour looks low, it may not make sense to turn 
them if they are only going to operate for that one hour because the hour’s revenue will not recover the 
start-up cost. On the other hand, it they are likely to operate for many hours in a row, and thereby 
recover the start-up cost, it may make sense to turn them on. 


e Minimum generation — In addition to a maximum capacity, many thermal units have a minimum 
level of generation. 


e Ramping constraints — The discussion above assumes that as load fluctuates up and down, each 
generator’s dispatch can be adjusted up or down. However, individual generators often have technical 
constraints on how quickly they can ramp up and on how quickly they can ramp down. If load increases 
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Table 5.3: Inputs for a Two Generator System Unit Commitment 
Example: Unit Capabilities and Marginal Costs 





Marginal 





very quickly, the cheapest generators, as ranked by marginal operating cost, may not be able to ramp 
up fast enough, and the system may need to briefly use more expensive, faster ramping generators. 


e Ramping costs — Even when a generator technically could ramp up fast enough, the owner may not 
want to, because ramping the generator up and down quickly stresses the equipment and shortens 
its operating life, which is an important added cost not included in the usual calculation of marginal 
operating cost. 


e Cycling costs — Similarly, turning a generator on and off frequently stresses the equipment and 
shortens its operating life. Some generators may prefer to temporarily operate at a loss in order to 
avoid the costly consequences of cycling the equipment. 


e Minimum downtime — Some units, once taken down, must remain down for a minimum amount of 
time. 


Other types of generation units have some of these or have similar types of constraints arising out of their 
particular design. For example, modern natural gas combined-cycle plants can operate in different configu- 
rations, each of which is optimal for different levels of operation. Each configuration has different minimum 
and maximum capacity levels. There are constraints on moving from one configuration to another, i.e., 
reconfiguration constraints. Certain configurations make it easier to quickly ramp up, whereas other 
configurations limit the ability to ramp. Moving from one configuration to another has a cost, much as the 
start-up of certain units has a cost, i.e., reconfiguration costs. 

In order to fully optimize the system, daily and hourly decisions must be made about which units to 
start up and which to shut down. The system operator must also decide the configurations in which certain 
generating units should be placed. Once these unit commitment decisions are made, they constrain the 
subsequent dispatch decision. Therefore, the unit commitment decision needs to look beyond the cheapest 
way to meet the current hour’s level of load. Optimizing requires a careful analysis of how load is likely to 
evolve over several hours. For example, it is only worthwhile paying the start-up costs for a unit if it is likely 
to operate for several hours in a row, and it is only worthwhile shutting down a unit if it is not going to be 
needed again the very next hour. 

When there are constraints of these sorts on individual units, the system marginal cost has a complicated 
structure. Both Figure 5.1 and Figure 5.3 show system marginal costs that increase continuously and 
gradually. In both cases, it was assumed that every generating unit could operate anywhere between 0 MW 
and its maximal output. There were no minimum loads or other complicating constraints like those shown 
above. Here is an illustration of the complicated system marginal cost function that arises when a generating 
unit has a minimum load. 

Table 5.3 shows the cost structure for a two generator system. Unit A can operate anywhere between 
0 and 275 MW. Each MWh of generation between 0 and 150 MW has a marginal cost of $25/MWh. Each 
MWh of generation between 151 and 250 MW has a marginal cost of $30/MWh. Each MWh of generation 
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Table 5.4: Outputs for the Two Generator System Unit Commitment Example: 
System Dispatch and Marginal Cost 





Dispatch Cost 

Load Unit A Unit B A B Total A Per MWh 
260 260 0 7,150 0 7,150 

265 265 0 7,350 0 7,350 40 
270 270 0 7,550 0 7,550 40 
275 275 0 7,750 0 7,750 40 
280 220 60 5,850 2,700 8,550 160 
285 225 60 6,000 2,700 8,700 30 
290 230 60 6,150 2,700 8,850 30 
295 235 60 6,300 2,700 9,000 30 
300 240 60 6,450 2,700 9,150 30 
305 245 60 6,600 2,700 9,300 30 





between 251 and 275 MW has a marginal cost of $30/MWh. Unit B can operate anywhere between 60 and 
100 MW. Each MWh of generation has a marginal cost of $45/MWh. 

Table 5.4 shows the efficient dispatch of the system for load between 260 and 305 MW. Unit A is always 
the cheapest unit to dispatch. However, once the load exceeds 275 MW, it is necessary to also dispatch unit 
B. For loads just above 275 MW, the system operator would ideally like to use unit B just to supply the 
increment needed above 275 MW. However, unit B has a minimum load of 60 MW, so the dispatch from A 
must be scaled back. When the system load increases from 275 to 280 MW, unit A’s dispatch declines from 
275 to 220 MW! If load increases still further, this is first served by increasing the generation from unit A. 
Table 5.4 also shows the total cost of operating each generator at its specified dispatch level, as well as the 
total cost. The final column shows the marginal cost: or, more precisely, it shows the per MWh change (i.e., 
the A) in total cost.? 

Constraints like these make it very complicated to solve for the optimal unit dispatch. They also make 
it very complicated to speak simply and clearly about the system marginal cost. How important these 
complexities are depends on the system. Many analysts discuss system operations and system marginal 
cost as if everything worked according to the simpler framework shown in Figure 5.1, effectively ignoring or 
assuming away these complexities. However, they have in the back of their mind these complexities, and 
are aware that under certain circumstances these may need to be incorporated into the discussion. System 
operators responsible for daily unit commitment and dispatch develop programs and algorithms capable of 
handling these complexities. Generators responsible for contracting, bidding and optimizing their individual 
plant operations are aware of these complexities and how the system operator’s programs and algorithms 
handle them. 

Unit commitment decisions happen at different time scales and interact with the calendar patterns of 
load. There are daily and weekly unit commitment decisions that involve deciding which of the available 
units should be turned on, and at what level or in what configuration given the anticipated load over the 
coming day or week. And, there are seasonal unit commitment decisions that involve deciding when to take 
a unit off-line for maintenance or other needed actions. Most nuclear reactors need to be taken off-line in 
order to refuel, and it makes sense to do this during the seasons of the year when load is at its lowest, like 
spring and fall for countries with strong heating and cooling demand in the winter and summer. 


3A true marginal cost is for an infinitesimal increase in output. The table shows 5 MW increments of output. The final 
column equals the change in total cost for a 5 MW increment in output, divided by 5 MW. The is a rough approximation of 
the marginal cost. At the point where total load is 275 MW, the actual marginal cost is infinite, since the total cost jumps by 
a discrete amount for an infinitesimal increase in load. In the table we see the jump in the per MWh A equal to $160/MWh. 
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5.3.2 Ancillary Services 


In Chapter 4 we discussed the importance of several services that generators can provide to help assure the 
security of the system. These include regulation, operating reserves and voltage support. Generators need 
to be carefully managed in order to be able to provide these services. 

For example, in order to provide regulation, the generator must be up and running and synchronized 
to the system, and it must be under the control of the system operator so that adjustments can be made 
quickly. In order to provide operating reserves, the generator cannot already be operating at its maximum 
capacity—it needs to have unused capacity. Depending upon the speed with which the reserves are needed, 
the generator must be in a condition to meet the specified needs within the specified time limits. 

As discussed in Chapter 4, there are certain configurations in which voltage support in the form of extra 
reactive power is available and cheap, and other configurations in which providing extra reactive power 
requires cutting back on the delivery of active power or is impossible altogether. A unit that claims to be 
available to provide voltage support must be appropriately configured. So, the optimal unit commitment 
decision also must take into account the need for these ancillary services. 


5.4 Capacity Investment 


5.4.1 Resource Adequacy and Planning Reserve Margins 


Both dispatch and unit commitment are very short-horizon decisions about how to utilize the generating 
capacity at hand. At longer horizons, a decision has to be made about how much capacity to install, and what 
type of capacity it should be. The decision to build entirely new capacity is a very long horizon decision—most 
generating capacity has an expected useful life of at least two decades, and some can be expected to last 
four decades or more. Whether the investment makes sense depends on long-term forecasts about future 
demand and the availability of other capacity. However, other capacity decisions are shorter term decisions. 
Investments can be made to refurbish existing generating capacity and extend its useful life. Or, it might be 
possible to significantly increase the capacity of an existing plant by installing new technology that had not 
been available when it was first built. Even everyday maintenance decisions are a capacity decision, because 
a well maintained plant is less likely to have unplanned outages, so that its availability factor is much higher 
than a poorly maintained plant. Availability is an important dimension of capacity. If a system happens to 
have excess capacity, then it may make economic sense to either mothball or retire some capacity. 

In the electricity industry, it is important to assure that the system’s aggregate capacity is always adequate 
to serve load, taking into account the dangers of unplanned generation and transmission outages as well as the 
uncertainty about load growth. If there is not enough capacity, then some of the load must be involuntarily 
interrupted. This can happen by forced load shedding, or, in the worst outcome through blackouts. As we 
saw in Chapter 2, the Value of Lost Load (VOLL) is usually extremely high. Consequently, systems maintain 
historical data on lost load, and they analyze forecasted Loss of Load Probability (LOLP) to determine 
whether new capacity is required.* 

Table 5.5 shows an example of a calculation of lost load resulting from inadequate generation over a short 
period of 10 hours. The system has total capacity of 500 MW. The table shows the unplanned outages during 
each hour, and therefore the capacity that is actually available. The table also shows the scheduled load in 
each hour. For eight of the ten hours, the available capacity is more than the scheduled load, so the full 
scheduled load is served. However, in two of the hours, the available capacity is less than the scheduled load. 
Some of the load must be left unserved. This is the lost load. In one of the two hours, the problem is that 
the absolute capacity is insufficient to serve the scheduled load. In the other of the two hours, the problem 


4A large fraction of lost load occurs because of problems at the distribution level, including downed feeder lines caused by 
storms and other events. Our focus here is on lost load due to generation adequacy and transmission capacity at the bulk power 
level. System operators or regulatory agencies will mandate statistics about reliability at the different levels of the system. 
The Institute of Electrical and Electronics Engineers (IEEE), a global association of professionals in the fields of electrical and 
electronic engineering, telecommunications, computer engineering and allied disciplines, publishes standards for reporting on 
reliability in different parts of the system. 
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Table 5.5: Illustration of a Lost Load Calculation 


Generation (MW) Load (MWh) 

Hour Capacity Outage Available Scheduled Served Unserved 
10 500 0 500 375 S75 0 
11 500 15 485 410 410 0 
12 500 25 475 470 470 0 
13 500 0 500 480 480 0 
14 500 35 465 490 465 25 
15 500 0 500 510 500 10 
16 500 0 500 485 485 0 
17 500 0 500 470 470 . 0 
18 500 0 500 410 410 0 
19 500 20 480 395 395 0 

Total 4,495 4,460 35 

99.2% 0.8% 





is that an unscheduled outage created the insufficiency. Over this short period, the total unserved load is 
35 MWh out of 4,495 MWh scheduled, which is 0.8%. In the U.S., a commonly quoted standard is 1 day in 
10 years, or a much lower figure of 0.027%. However, the right target is a value judgment. Historically, it 
varied regionally, and evolved through time as society became more demanding of the electricity system. 

In order to ensure resource adequacy-i.e., that there is sufficient capacity to avoid lost load—most 
systems develop planning procedures and mechanisms to develop new capacity is developed in advance of 
growth in load. Systems also take steps to prevent generation from being mothballed or shut down if the 
capacity is needed to assure reliability while new capacity is being built. Finally, systems also take steps 
to be sure that existing generation is well maintained and able to deliver its stated capacity, and that 
maintenance schedules are staggered appropriately so that enough existing capacity is available to serve load 
throughout all months of the year. Systems forecast load growth and peak loads to determine the capacity 
requirement. This includes a planning reserve margin reflecting both uncertainty in the forecast as 
well as uncertainty about the performance of installed generation and transmission capacity. 

The mechanisms used to procure the required capacity vary greatly across countries and regions. In some, 
every load serving entity (LSE) is responsible for procuring adequate capacity to serve its own load plus an 
adequate planning reserve margin. This procurement must be done long in advance based on forecasted 
loads, and it must be updated to reflect revisions in the forecasted load. The LSE can meet this obligation 
by investing in its own generation, or it may contract to buy the capacity from a generator. We will discuss 
these capacity contracts in the next chapter. Another mechanism that has recently become popular is the 
establishment of capacity markets, which we will discuss in Chapter 8. 


5.4.2 Levelized Cost of Electricity — LCOE 


A commonly used metric for evaluating investments in alternative generation technologies is the levelized 
cost of electricity or the LCOE. Given the stream of capital and operating costs incurred over the life 
of a facility and the corresponding stream of electricity production, the LCOE is defined as the charge per 
kWh that sets the discounted present value of revenue equal to the discounted present value of the stream of 
costs. The discounting is done using a cost of capital appropriate to the project considered. The LCOE is 
the minimum average price that would have to be received per kWh of electricity in order to cover the costs 
of producing the power, including the minimum profit required on the investment. 

Table 5.6 shows the LCOE of several different generating technologies in China as reported by the 
International Energy Agency. The LCOEs are in the final column. The table also provides some of the input 
data used to calculate the LCOE. The overnight cost is a standard way for quoting capital costs. It does not 
include the capitalization of the costs throughout the construction period, whereas the investment cost does 
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Table 5.6: Costs of Alternative Generation Technologies in China, Including LCOE 


Levelized Cost Components 


Fuel, waste 
Overnight Investment Construction Capacity Capital O&M and carbon 
Technology Cost Cost Profile Lifetime Factor Costs Costs Costs LCOE 
CNY/kW  CNY/kW years _years CNY/MWh CNY/MWh__ CNY/MWh CNY/MWh 

CCGT 3,856 4,127 2 30 85% 43.42 19.99 507.25 570.66 
Coal - USC 5,000 5,738 4 40 85% 56.03 25.03 396.92 477.98 
Nuclear - ALWR 12,113 14,207 7 60 85% 190.40 45.02 57.38 292.80 
Solar PV 5,763 5,966 1 25 17% 346.74 100.00 0.00 446.74 
Onshore wind 7,380 7,632 1 25 26% 308.48 60.02 0.00 368.51 
Large hydro - reservoir 3,678 4,699 7 80 52% 70.29 65.01 0.00 135.30 
Notes: 
[1] Discount rate = 7% 
[2] CNY 2013. 





include this. Longer construction projects will have a larger discrepancy between the overnight cost and the 
investment cost as a result, which is something that shows up clearly in the table. 
We can formalize the definition of the LCOE using the following notation: 


e Capital, is the amount spent on capital investment in year 1; 

e O&8 M,, is the amount spent on operating and maintenance costs in year ¢; 
e Gen, is the amount of generation produced in year t; 

e r, is the discount rate appropriate to the power plant. 


Before presenting the full formula, it is useful to introduce a couple of concepts that will appear in the 
formula. The present value of an expense in year t, such as an operating and maintenance expense, is: 
O&M, 


PV (0&M,) = ae (5.6) 


The present value of all of the operating expenses in all of the years from 0 to T’ is 


a 
[(O&M:) /(1 +17)*] (5.7) 


t=0 


With these in hand, we can now define the LCOE: 


Loon = Licol(Capital + O8%M:) /A.+7)' 


ro [(Gens) /(1 + r)*] 


The denominator of the equation is not quite a present value, since it is denominated in megawatt hours 
of generation and not dollars. However, we can rewrite equation 5.8 by moving the denominator to the 
left-hand-side of the equality and moving the LCOE variable inside the summation of the old denominator: 


(5.8) 


7 T 
xm [LCOE - (Gen) /(1+r)*] = ce [(Capital, + O&M) /(1+1r)*| (5.9) 
t=0 t=0 

The left-hand-side of this new equation is the present value of all revenues in all of the years from 0 to T, 
and the right-hand-side is the present value of all costs. Therefore, this equation says that the LCOE is the 
price that makes the present value of revenues equal to the present value of costs. 
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Table 5.7: Input Parameters for the New Amsterdam Capacity Example 





Annualized Operating 
Generation Capital Cost Cost 
Technology (f/MW/y) (f/MWh) 
Baseload 240,000 20 
Intermediate 160,000 35 
Peaking 80,000 80 
Load Duration Curve (MW) (MWh) 
Maximum 22,000 
Minimum 10,000 
Slope Loe 
Demand Management (f/MWh) 
VOLL 4,000 


Note: The fictional republic of New Amsterdam uses as its currency 
the 'florint' which is denoted with the symbol, f. 


Table 5.6 shows the LCOE broken down into components, including one for capital costs, one for non-fuel 
O&M costs, and one for fuel costs including the cost of waste disposal and carbon. 

Other things equal, it makes sense to invest in generating technologies that have the lowest LCOE. 
However, LCOEs need to be used carefully and with due regard to the source of data and how they are 
calculated. For example, note that the lowest cost technology in Table 5.6 is the hydro facility. But the 
cost of hydro is largely determined by the particular site, and the especially inexpensive facility used for the 
data in the table probably cannot be replicated. For another example, note that Table 5.6 calculates an 
LCOE for a CCGT, for a coal-fired plant and for a nuclear plant assuming the same 85% capacity factor for 
each. A capacity factor that high reflects baseload operation, so these figures might sensibly inform a choice 
about which technology to build if baseload generation is needed. If, on the other hand, what is needed is 
peaking capacity that will operate with a lower capacity factor-say 30%-—then the numbers in this table are 
not instructive. For a peaking plant operating with a lower capacity factor, the same capital investment will 
have to be amortized over fewer hours of electricity, so that the levelized capital component will be higher. 
The O&M and the fuel costs might be higher, too, because of the costs of cycling. In order to evaluate which 
technology to employ to provide peaking power, a different table of data is needed. LCOEs always embody 
a set of assumptions which should be given due regard, and the use of LCOEs as a guide to investment must 
consider context. 


5.4.3. A Portfolio of Different Types of Capacity 


In order to determine which types of capacity are most needed, it is necessary to look beyond the simplistic 
presentation of the LCOE. For example, how much of it should be baseload capacity and how much of 
it should be peakers? Baseload generation requires a larger capital investment, but has a lower marginal 
operating cost. Peakers require a smaller capital investment, but have a higher marginal operating cost. 
Baseload is economical so long as the capital costs are amortized over many hours of operation, but is 
uneconomic if it only operates a few hours each year. Peakers are more economical if the generation is 
only going to operate a few hours each year. We can apply this basic intuition to a concrete example using 
the screening curve methodology.® Table 5.7 gives the input data for our example of the Republic of 
New Amsterdam. It shows the cost parameters for three dispatchable generation technologies together with 


®Turvey, R., Anderson, D. (1977), Electricity Economics. Essays and Case Studies, The Johns Hopkins University Press. 
ISBN: 0-8018-1866-4 


480 


#=Baseload ™=Intermediate 


Total Cost 290,000 
(f/MW/year) 


346,667 spescensnneremesensessaneseaees 


240,000 


160,000 





Figure 5.8: A Comparison of the Total Cost of Generation for a Baseload and an 
Intermediate Technology as a Function of the Annual Hours of Generation 


parameters for a linear load duration curve.°® 


Using the cost parameters for the first two technologies, Figure 5.8 graphs the total cost per MW of 
installed capacity as a function of the number of hours that MW of capacity is used to generate power. We call 
one technology the baseload technology and one the intermediate, although the labels are really the result of 
the analysis. On the vertical axis we see that the intercept for the baseload technology is f 240,000 /MW /year. 
That is the annual capital cost of installing 1 MW of the technology. If the baseload unit does not operate 
in any hour, that is the cost. The slope of the total cost for the baseload technology is f20/MWh. On the 
vertical axis we see that the intercept for the intermediate technology is f160,000/MW/year. That is the 
annual capital cost of the technology. If the intermediate unit does not operate in any hour, that is the cost. 
The slope of the total cost for the baseload technology is [35/MWh. The two lines cross at the point where 
each is operating approximately 5,333 hours per year, which is a capacity factor of 61%. To the left, where 
the hours of operation are less than 5,333 per year, the total cost—annual capital cost plus operating cost—is 
less for the intermediate technology than for the baseload technology. However, to the right, where the hours 
of operation are more, the baseload technology has a lower total cost. So, if we need extra generation for 
many hours of the year, then we should install an extra MW of the baseload technology. If we need extra 
generation for fewer hours of the year, then we should install the intermediate technology since it is cheaper. 
We call the 61% capacity factor the cutoff value for the baseload generation. 

Figure 5.9 graphs a similar comparison between the intermediate technology and a peaker technology. 
The capital cost of the peaker technology is f80,000/MW/year, while the operating cost is f80/MWh. As 
the figure shows, the two lines cross at the point where each is operating approximately 1,778 hours per year, 
which is a capacity factor of 20%. To the left, where the hours of operation are less than 1,778 per year, the 
total cost—annual capital cost plus operating cost—is less for the peaker technology than for the intermediate 
technology. However, to the right, where the hours of operation are more, the intermediate technology has 
a lower total cost. So, if we need extra generation for between 1,778 and 5,333 hours of the year, then we 


6The numbers and structure for this example are taken from Joskow, Paul L. "Capacity payments in imperfect electricity 
markets: Need and design." Utilities Policy 16.3 (2008): 159-170. 
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Figure 5.9: A Comparison of the Total Cost of Generation for an Intermediate 
and a Peaker Technology as a Function of the Annual Hours of Generation 


should install an extra MW of the intermediate technology. If we need extra generation for fewer hours of 
the year, then we should install the peaker technology since it is cheaper. The 20% capacity factor is the 
cutoff value for the intermediate generation. 

We can overlay this with information about the load duration curve (LDC) given in Table 5.7 to determine 
the amount of capacity to install of each type of generation, as shown in Figure 5.10. For simplicity of the 
example, we use a linear load duration curve. ‘The maximum load on the system is 22,000 MW, and the 
minimum load is 10,000 MW. Along the horizontal axis, we have marked the point for 5,333 hours, and 
the LDC for 5,333 hours is 14,694 MW. That is, there are 5,333 hours a year when demand is greater than 
14,694 MW. So, if we install up to 14,694 MW of baseload capacity, it can all be operated with at least a 
capacity factor of 61%. If we install more than 14,694 MW of baseload capacity, some will have to operate 
at capacity factor that is less than the cutoff value of 61%. In that case, it would have been better to have 
chosen the intermediate technology for the MW above 14,694 of baseload capacity. 

Figure 5.11 continues the exercise, showing how the capacity for the intermediate generating units is 
determined. Along the horizontal axis, we have marked the point for approximately 1,778 hours, and the 
LDC for 1,778 hours is 19,565 MW. That is, there are 1,778 hours a year when demand is greater than 
19,565 MW. So, if we install up to 4,871 MW of intermediate capacity on top of the 14,694 MW of baseload 
capacity for a combined capacity of 19,565 MW, the intermediate units can all be operated with at least a 
capacity factor of 20%. If we install more than 4,871 MW of intermediate capacity, some will have to operate 
at a capacity factor that is less than the 20% cutoff value. In that case, it would have been better to have 
installed peaker capacity for the MW above 4,871. 

For the portion of the LDC to the left of 1,778 hours, it will be more economical to use the peaker 
technology. If we install enough to serve load in all hours, we need 2,435 MW of peaker capacity. 

While the peaker technology is the cheapest solution for the few hours of the year when load is the 
highest, peaking units are still an expensive solution. Consider what it costs to serve the 1 hour a year with 
the highest load, a load of 22,000 MW. Suppose that we had installed enough total capacity to serve all of the 
other hours of the year, but that we a small amount of load unserved during this 1 hour. Table 5.8 compares 


482 


Load Duration Curve 


baseload 
capacity 





Figure 5.10: Determining the Amount of Baseload Capacity to Install 
Given a Load Duration Curve 
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Figure 5.11: Determining the Amount of Intermediate Capacity to Install 
Given a Load Duration Curve 
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Table 5.8: Calculating the Marginal Cost of Serving the Last Hour of Load 
in the New Amsterdam Capacity Example 





Alternative Capacity Choices 


1 Hour with No 

Lost Load Lost Load 
Total Capacity (MW) 21,998.63 22,000.00 
Baseload + Intermediate Capacity (MW) 19,564.69 19,564.69 
Peaker Capacity (MW) 2,433.94 2,435.31 
Lost Load (MWh) 0.685 
VOLL (f/MWh) 4,000 
Total Cost of Lost Load (f/y) 2,740 
Change in Peaker Capacity (MW) Lot 
Change in Generation (MWh) 0.685 
Incremental Capital Cost (f/y) 109,589 
Incremental Operating Cost (f/y) 55 
Total Incremental Cost (f/y) 109,644 
Marginal Cost (f/MWh) 160,080 


the cost of this choice against the cost of our earlier choice to install sufficient capacity to always serve all 
load. The first column shows the installed capacity if we install enough peaker capacity to serve load fully in 
all hours except the 1 hour with the highest load. During the 1 hour a year with the highest load we would 
have this total capacity of 21,998.63 MW, but we would have load of 22,000 MW at most during the hour. 
In that case we would only need peaker capacity of 2,433.94 MW. With a linear LDC curve, total lost load 
during the hour is 1/2 of the change in capacity, or 0.685 MWh. Since the VOLL is f4,000/MWh, the total 
cost of this lost load is f2,740/year. The second column shows how things change if we add additional peaker 
capacity to serve load fully in all hours: these are the capacity amounts calculated earlier. In order to fully 
serve load in that last 1 hour, we would have to install an extra 1.37 MW of peaker capacity. The capital cost 
of that additional 1.37 MW of capacity is f80,000/MW/year, which is f109,589/year in total. In addition, 
to.operate that capacity to deliver the 0.685 MWh of electricity in that hour would cost f55/year. The 
total incremental cost would be f109,644/year. Of course, the benefit is that we save the cost of lost load, 
but the f2,740/year cost of lost load is much less than the f109,644/year incremental cost of the capacity 
and operating costs required to serve that load. Using the formula for marginal cost given in Chapter 3, in 
equation (3.6), the marginal cost of serving these last hours of load is approximately f160,080/MWh. That 
is a very expensive price to pay for that last bit of electricity! It is much higher than the VOLL. 

It may make sense instead to leave a portion of customers’ load unserved a few hours a year, thereby 
saving on the cost of installing the few last MW of peaker capacity. Figures 5.12 and 5.13 continue the same 
screening curve exercise to determine how much peaker capacity to install, taking into account the VOLL for 
a few hours of unserved load. First, Figure 5.12 compares the cost of serving load with a peaker as a function 
of the number of hours it generates against the cost of paying the load an amount equal to the VOLL for 
each MWh unserved. The structure of the figure is similar to Figures 5.8 and 5.9, except that the axes have 
been rescaled. The horizontal axis only shows 100 hours. This is necessary for the lines in the figure to be 
distinguishable. The cost of unserved load starts at zero: there is no fixed cost. The slope of the cost for 
unserved load equals the VOLL, which is shown in Table 5.7. As the figure shows, the two lines cross at 
the point where the peaker is operating approximately 20.4 hours per year, which is a capacity factor of less 
than 1%. To the left, where the hours of operation are less than 20.4 hours per year, it is cheaper to leave 
the load unserved and impose on customers a cost equal to the VOLL for each MWh. 

Second, Figure 5.13 uses this information combined with the load duration curve to identify the amount 
of peaker capacity to install. Along the horizontal axis, we have marked the point for approximately 20 
hours, and the LDC for 20 hours is 21,972 MW. That is, there are 20 hours a year when demand is greater 
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Figure 5.12: A Comparison of the Total Cost of Generation for a Peaker Technology 
with the Cost of Lost Load as a Function of the Annual Hours of Generation 
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Figure 5.13: Determining the Amount of Peaker Capacity to Install 
Given a Load Duration Curve, Together with the Unserved Load 
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Table 5.9: Outputs of the New Amsterdam Screening Curve 
Exercise: A Portfolio of Installed Capacities 





Cutoff Values Optimal 

Hours Capacity Capacity 
Technology per Year Factor (MW) 
Baseload 5,333 61% 14,694 
Intermediate 1,778 20% 4,871 
Peaking 20.4 0.2% 2,407 
Total 21,972 


than 21,972 MW. So, if we install up to 2,407 MW of peaker capacity on top of the 19,565 MW of combined 
baseload and intermediate capacity for a total combined capacity of 21,972 MW, the peakers can all be 
operated with at least a capacity factor of 20 hours. If we install more than 2,407 MW of peaker capacity, 
some will have to operate at less than the cutoff value of 20 hours a year. In that case, it would have been 
better to have left that load unserved at the cost of the VOLL. 

We summarize the output of this screening curve exercise for New Amsterdam in Table 5.9, which records 
the capacity factor cutoff values for each technology along with the choice of capacity to install. The choice 
of capacity also implies a plan for which combination of generating technology will serve the load duration 
curve, as shown in Figure 5.14. Along the vertical axis, we marked off the amount of each type of capacity 
with the lowest operating cost technology at the bottom and the highest at the top: 14,694 MW of baseload 
capacity, 4,871 MW of intermediate capacity which brings the total of baseload and intermediate capacity 
to 19,565 MW, and 2,407 MW of peaker capacity which brings the total capacity to 21,972. The lowest 
operating cost technology is always the first one used to serve load, so as the figure shows we can move 
across the houris and define the region served by each technology. Table 5.10 reports the numbers for the 
quantity of generation from each type of capacity. The table also shows the capital costs for the selected 
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Figure 5.14: The Generation Profile for the New Amsterdam Example. 
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Table 5.10: Further Outputs of the New Amsterdam Screening Curve Exercise: 
Forecasted Generation and Total Cost 


Supply/Demand Cost 

Generation Average Capex Opex Total 
Technology (GWh/y) Cap. Fact. (f millions/y) (f millions/y) (f millions/y) 
Base load 120,678 94% 3527 2,414 5,940 
Intermediate 17,318 41% 779 606 1,385 
Peaking 2,164 10% 193 173 366 
Subtotal 7,691 
Lost Load / Demand Mgmt 0.29 +3 
Total Cost Incl. VOLL 7,692 


capacities, the operating costs for the resulting generation, and the total cost. 

The screening curve exercise took as inputs the information shown in Table 5.7, including both (i) a profile 
of costs for different generation technologies, and (ii) the description of load, including both the LDC and 
the VOLL. The exercise produces as an output the profile of capacity installed for each technology as shown 
in Table 5.9. The exercise is designed to find the profile of capacities that minimizes total cost, including 
both capital and operating cost. The resulting total cost, including the cost of demand management (or 
unserved load), shown in Table 5.10, is the lowest possible. 

The simple example constructed above illustrates the tradeoff in choosing between alternative generation 
technologies focusing only on one differentiating characteristic: the combination of capital and operating 
cost. ‘here are many other characteristics that a system operator must consider. For example, there are a 
few hours each year when the system may demand extremely high ramping capability. The system operator 
will want to have some generators with that specific capability, even if they are not the cheapest generators 
to use during the rest of the hours. Fortunately, there are many different generation technologies with many 
different operating characteristics. That makes it possible for a system to employ a portfolio of technologies 
that taken together covers all of the system’s needs at a relatively low total cost. In principle, this more 
complex portfolio problem is similar to the simpler version we exposited here. However, you can see that as 
we incorporate additional characteristics, the problem quickly becomes very complex, indeed. 

The simple example also focused exclusively on dispatchable generation. Incorporating renewable gen- 
eration makes the problem more complex because of the intermittency of the resource. If the resource is 
available when load is highest, as some solar PV and certain offshore wind resources sometimes are, then it 
makes sense to install more of that capacity. If the resource is most plentiful when load is lowest, as some 
on-shore wind resources can be, then it makes sense to install less. A proper determination of the optimal 
mix of capacity involves a calculation like the one shown in our simple example, but the calculations are 
more extensive and complex. 

The simple example also displays only a single scenario for load. It does not show the LDC for a year 
when load is high, nor one for a year when load is low. This variability is important, as is the uncertainty 
about the future. Capacity investment decisions have a lead time. For some technologies such as nuclear, 
the lead time is more than a decade. For others, such as a wind or solar PV installation, it is only a few 
years. However, in all cases, investments are made based on forecasts of load. By the time the capacity has 
been installed, the actual load on the system may be different from the forecast. Table 5.10 is showing the 
amount of generation only if the actual LDC happens turns out to be exactly as forecasted. If the LDC is 
higher or lower than forecast, then the profile of generation will be different, too, as will the operating costs 
incurred. This uncertainty makes the portfolio decision more complex than in our example. 
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5.5 Conclusion 


This chapter has introduced three key decision problems facing the electricity industry: the optimal dispatch 
of generation, the optimal unit commitment, and the optimal capacity investment choice. ‘These decisions 
can be implemented through many different types of institutions. Many regions and countries have opted 
to use markets of one kind or another to incentivize these decisions. The following chapters describe these 
different market structures, and discusses the task of shaping the market to successfully produce the optimal 
choices. 
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Study Review 


Some key terms introduced here: 
e generator dispatch 
e unit commitment 
e capacity investment 
e supply stack 
e merit order 
® marginal generator 
e system lambda 
e system marginal cost 
e increasing marginal cost 
® congestion 
e unconstrained dispatch 
e constrained dispatch 
e dispatch constraints 
e start-up time 
e start-up cost 
e minimum generation 
e ramping constraints 
® ramping costs 
e cycling costs 
e minimum downtime 
e reconfiguration constraints 
e reconfiguration costs 
e loss of load probability 
e resource adequacy 
e capacity requirement 
e planning reserve margin 
e levelized cost of electricity, LCOE 


e screening curves 
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